For reservoir engineering purposes, one must have a prior knowledge of the macroscopic behavior, i.e. flow and transport properties, of such solutions in order to optimize any field application. Although there are other types of polymer used in the oil industry for hydrocarbon recovery, we will focus on the flow of Xanthan gum solutions in porous media that occurs in improved oil recovery processes. Xanthan biopolymer solutions are pseudo-plastic (shear-thinning) and show negligible elastic effects 4 .
Assessing the efficiency of displacing oil by Xanthan polymer will normally require running field-scale reservoir simulations. However, the appropriate bulk and in-situ macroscopic behaviors of the polymeric solution must be given as input to the simulation model. We use pore-scale modeling to describe and quantify the displacement mechanisms of Xanthan solutions in porous media. The approach uses networks based on real rocks that capture their complex geometry and topology as input to our flow model. By applying the right physics at the pore-scale, one can describe the macroscopic flow properties of polymer flooding and subsequently use these results to design field applications.
We simulate two-phase primary drainage and secondary imbibition in a water-wet system, where the wetting phase (polymer in aqueous solution) is non-Newtonian (shearthinning) while the non-wetting phase (oil) remains Newtonian. We can predict the relative permeabilities for Newtonian fluids in Berea sandstone accurately. We then use the pore-scale model to predict trends in relative permeability as a function of flow rate in Berea sandstone for a nonNewtonian wetting phase. The relative permeability is defined as the ratio of the flow rate in multi-phase flow to the corresponding flow rate in single-phase flow with the same pressure gradient with the same shear-thinning fluid. The nonNewtonian phase relative permeability initially decreases with increasing pressure gradient before increasing again, while always remaining below the Newtonian values. This effect is most pronounced at low wetting phase saturation. When the wetting phase is confined to layers in the pore space, the shear rate is less than that experienced in single-phase flow when the pore is completely filled with fluid. This leads to higher effective viscosities and an apparent decrease in relative permeability.
Network Modeling
In network modeling, the void space of a rock is represented at the microscopic scale by a lattice of pores connected by throats. Macroscopic properties, such as capillary pressure or relative permeability, can be estimated across the network by applying the appropriate rules that govern the transport and arrangement of fluids at the pore-scale [5] [6] [7] .
In this work, we use a three-dimensional voxel representation of a Berea sandstone (27mm 3 ). A digital pore space image of the rock is generated by simulating the deposition, compaction and diagenesis of grains as well as clay deposition. From this image, a topologically equivalent network of pores and throats is generated with properties (radius, volume etc.) extracted from the original voxel representation (Fig. 1) . Details about the reconstruction process can be found in previous studies 8, 9 : in this work we simply use the Berea network as input to our flow model. Properties of the network can be found in Table A-1 in the  Appendix. The Carreau model is a four-parameter model where µ 0 is the viscosity at low shear rate, µ ∞ , the viscosity at high shear rate, C, the consistency index and n the shear-thinning exponent. This model is a good fit to most experimental data on shearthinning polymers. For instance, bulk rheological data from Cannella et al 14 are well matched by use of the Carreau law, as illustrated in Fig.2 . The parameters used for matching the experimental data are listed in Table 1 . Because real porous media are highly irregular, pores and throats are represented in the network as having mainly square or triangular cross-sections. In multi-phase flow modeling, angular shapes allow for the non-wetting phase to occupy the center of the element while the wetting phase remains in the corners. This network modeling approach has been used successfully to predict two-and three-phase relative permeability experimental data 10,11 and the impact of wettability variation on reservoir performance 12 . The method has also been used to study single-phase non-Newtonian flow 13 and is extended to multi-phase non-Newtonian flow in this work. As mentioned in the introduction, our fluid model is based on the properties of the biopolymer Xanthan. To a good approximation, Xanthan solutions can be treated as pure shearthinning fluids. The polymer stability in aqueous phase and the negligible elastic effects it exhibits make Xanthan gum solutions particularly suitable for modeling and experimental studies 4, [14] [15] [16] . Other phenomenological effects due to the presence of polymer in solution, such as adsorption and inaccessible pore volume, are not considered here, but have been treated in network modeling studies by Sorbie 
where the critical flow rate, Q crit, , is defined based on the critical shear rate in Eq. (2). where γ   is the shear rate and the critical shear rate γ crit is given by:
Although Eqs. (3) and (4) were derived in a heuristic manner, they were found to fit previously derived analytical expressions for µ eff as a function of Q for truncated power-law fluids in a circular capillary 13 . Furthermore, this pseudo Carreau formulation provides more robust solutions when
implemented in the network model. These equations are derived for circular elements, whereas, as mentioned earlier, the Berea network is mainly composed of irregular triangularshaped pores and throats. We account for non-circularity by defining an appropriate equivalent radius based on the fluid conductance G of each phase in the element [8] [9] [10] 13 .
The effective viscosity of each element in the network is related to its pressure drop via use of a pseudo HagenPoiseuille law. An iterative procedure is implemented in order to solve the set of non-linear equations and calculate the velocity field 13, 16 . The total flow rate across the network Q t is then computed and an apparent viscosity is defined as follows:
where Q N is the total flow rate for a simulation with the same pressure drop but a fixed Newtonian viscosity µ N . The Darcy velocity is obtained from q = Q t /A, where A is the crosssectional area of the network. The approach successfully predicted the results of four experiments from different sources in the literature 13 . These predictions were superior to those using simplified capillary bundle models because they involved no adjustable parameters.
For instance, the method can predict the in-situ behavior measured experimentally by Cannella et al 14 . They conducted experiments on the flow of Xanthan in a 264mD Berea sandstone. The bulk rheology of 1200ppm Xanthan solution, as measured in their experiment, was shown in Fig. 2 . We use the Carreau model parameters that fit their experimental data as input to our flow model (Table 1 ). Fig. 3 shows the comparison between the network predictions and the experimental results. To make meaningful predictions, we re-scale all network lengths by
, where the superscripts exp and net stand for experimental and network, hence generating a network with the exact same topology and absolute permeability of 264mD. Note that the re-scaling of the network is not an arbitrary adjustment. The permeability scaling comes from independently-measured experimental data. Although the network simulations slightly over-estimate the velocity, the agreement is nonetheless very good, except at low Darcy velocity, where polymer adsorption may lead to high apparent viscosities in the rock 13 . Other network predictions 13 showed even closer agreement with experimental results.
In contrast to the commonly used capillary-bundle 2, 18-22 or continuum 18, 23 approaches, the method is capable of predicting experimental data without resorting to any arbitrary parameters. In previous work 24 , we predicted in-situ rheograms for a range of power law exponents using three different networks (a sand-pack, a homogeneous and heterogeneous sandstone). Results showed a change in the apparent shear-thinning exponent for very shear-thinning solutions flowing in porous media. This was attributed to a bimodal distribution of viscosities in the system, resulting in a "streaking behavior" where a few pores and throats with very low viscosity carry most of the flow through the system 18, 24 . This effect appeared more pronounced for the more complex and heterogeneous networks.
Multi-Phase Flow Results
The previous results illustrate the suitability of the model to predict reliably the single-phase behavior of Xanthan-like solutions in porous media. We shall now simulate two-phase flow displacements (both primary drainage and secondary imbibition) where the wetting phase (water + polymer, called just water for simplicity) is assumed to be non-Newtonian while the non-wetting phase (oil) remains Newtonian.
Throughout the displacement cycles, we apply a constant pressure gradient across the network (boundary condition). Single-phase Newtonian flow of oil (viscosity of 1.4x10 -3 Pa.s) is then computed across the network, for that given pressure gradient. Using Darcy's law, the absolute permeability of the network can be determined.
. . , µ
Our network has a permeability of 3.1D. We then simulate single-phase non-Newtonian flow of water (i.e. S w = 100%), where the network is assumed to be completely filled with a shear-thinning aqueous solution of Xanthan polymer. To be representative, the bulk rheological parameters used as input in the flow model are those corresponding to the fit to Cannella et al's experiments previously described (Table 1) . We start by applying a relatively small pressure gradient across the network (74 Pa/m). The viscosity of each element is initially taken as the upper Newtonian one measured in the bulk solution. After convergence a solution for the velocity field is found and the total flow rate can be obtained. The flow rate thereby obtained will used as reference for the relative permeability calculations. Corresponding to this velocity field is a new set of effective viscosities in each network element. These are used as subsequent initial guesses when simulating primary drainage. Although the overall pressure drop does not change when S w decreases, the pressure field may. Again iterations are necessary to compute the velocity field corresponding to the same overall pressure but with S w ≠ 100%. We define relative permeability to be: We simulate primary drainage from 100% water saturation to irreducible water saturation (where the water flow rate is zero) and secondary water flooding (imbibition) to residual oil saturation for a range of pressure gradients. We increase the pressure gradient in increments. The viscosities computed from the previous single-phase results (at a lower pressure gradient) are used as initial guesses for calculations at a higher pressure gradient. In primary drainage we assume that the oil/water contact angle is zero. For secondary drainage we assume that the oil/water advancing contact angles are distributed at random uniformly from 30 o to 90 o . It has already been shown that using these contact angles accurately predicts drainage and imbibition relative permeabilities for Newtonian flow in Berea
10
. The pore-scale configurations of fluid in the model are entirely controlled by capillary forceswe assume that the pressure gradient has no effect on the arrangement of oil and water in the pore space, and in particular the residual oil saturation remains constant. 8 Pa/m. For relatively small pressure gradients across the network, the relative permeability curve of the water phase is almost identical to the Newtonian case. However its value decreases when the pressure gradient is increased. For gradients greater than 1.5x10 5 Pa/m the relative permeability curve increases again from its minimum value until almost equaling the Newtonian case at very high pressure gradients (Fig. 5) . Note that for the range of pressure gradients studied here (that give Darcy velocities covering the entire shear-thinning region) the non-Newtonian wetting phase relative permeability is always less than the Newtonian wetting phase curve. To quantify this reduction in relative permeability, we look at the ratio between the relative permeability for the non-Newtonian wetting phase and its Newtonian case value as a function of pressure gradient (Fig. 6) .
Plotted on the same graph are the apparent viscosity values corresponding to the non-Newtonian single-phase displacements over the same range of pressure gradients. The reduction in relative permeability is most pronounced at low saturation and for a pressure gradient that coincides with the inflexion point of the single-phase apparent viscosity curve. To understand how the single-phase behavior conditions the multi-phase results, we look at a point along one of the saturation curves of Fig. 6 , say for an intermediate saturation,
For a relatively small pressure gradient, for instance 7.5x10 3 Pa/m, the non-Newtonian relative permeability approaches that of the Newtonian case. Fig. 7 shows the viscosity histogram of completely water-filled elements in the network for four different pressure gradients, both for S w = 0.496 (gray) and the single-phase case, S w = 1.0 (white). As expected, for a small pressure gradient (Fig. 7a ) most of the water-filled elements have a high viscosity value, close to the low-rate Newtonian plateau for the bulk fluid (0.1 Pa.s). The distributions of viscosity are similar for both saturations, except, of course, that fewer elements are filled with water when S w =0.496.
The flow rate is similar to that predicted using the single-phase non-Newtonian viscosity and the Newtonian relative permeability.
Hence the relative permeability ratio is close to 1. This reduction is maximum when the two viscosity histograms are the furthest apart, here for a pressure gradient of 1.5x10 5 Pa/m (Fig. 7b) .
When the pressure gradient exceeds 1.5x10 5 Pa/m, the shear rates experienced by the water-filled elements are sufficient for them to carry significant amount of flow despite the presence of oil. As can be seen from Figs. 7c and d, the difference in the histograms decreases, until they eventually coincide at very high pressure gradients where viscosities are close to the high flow rate plateau.
Water as the wetting phase occupies the smaller pores and throats in the network. Furthermore, where oil resides in the center of the pore space, water remains in wetting layers in the corners 10, 24 . The shear rate is proportional to the flow rate of the water divided by a characteristic length. This length will be the thickness of the wetting layer, or the radius of a pore that is fully water-saturated. The flow rate is proportional to the pressure gradient multiplied by the conductance, G. For wetting layers this conductance scales as the square of the characteristic length and as radius to the power four for fullyfilled elements 9,10 . Thus the shear rate decreases with decreasing characteristic length. In multiphase flow, water is forced to flow through narrower regions of the pore space -on average -than in single-phase flow. This results in lower shear rates giving higher viscosities. This is the physical origin of the decrease in relative permeability. This effect is most significant where most of the water flow is in the smallest throats and in thin layers -at low water saturation, as is evident in Fig. 6 .
We also considered defining non-Newtonian relative permeabilities as a ratio of pressure gradients for single and two-phase flow at the same water flow rate. We found that this definition resulted in much more dramatic changes in relative permeability than using a definition based on a fixed pressure gradient. In particular, at low water saturation, the relative permeability ratio became much greater than 1. We have chosen a definition based on pressure gradient since it gives relative permeabilities that are fairly close to the Newtonian values. The same trend in the behavior of the relative permeability is seen for secondary imbibition (Figs. 8 and 9) . Although not shown here, the analysis of effective viscosity histograms during the imbibition displacement was repeated and lead to similar conclusions as previously described for drainage. 
Discussion
One of the most fundamental assumptions of the network model is that the flow is capillary dominated (or quasi-static). This means that during multi-phase displacements the viscous pressure drop across the network must be negligible in comparison to typical capillary pressures 6 . To assess whether this condition is satisfied or not, it is common to define a capillary number that measures the ratio of viscous to capillary forces in the system. However, this number is usually defined for a Newtonian phase of constant viscosity. For the purpose of this work, we define a non-Newtonian capillary number as follows.
where the apparent viscosity and flow rate are taken from the single-phase flow simulation. The assumption of capillary dominance is usually taken to be valid for capillary numbers less than 10 -4 . 25 In the results presented above, for a typical interfacial tension of 55x10 -3 N/m, the condition holds for pressure gradients less than 3x10 5 Pa/m. This means that in principle, one should be able to observe the reduction of relative permeability followed by the beginning of the increase in relative permeability ratio. However, the predictions at larger pressure gradients are unlikely to be valid, since dynamic effects will also affect the fluid configurations at the pore scale.
For moderately shear-thinning fluids, such as those studied so far, the viscosity/shear rate and apparent viscosity/flow rate curves have similar shapes (compare, for instance Figs. 2 and  3) . However, for strongly shear-thinning fluids with shearthinning exponents, n, close to zero, the bulk and porous medium behavior may be very different because most of the flow is taken by a few low viscosity elements 18, 24 . We ran a multi-phase flow simulation for n = 0.01 to investigate whether or not the behavior was the same as seen for less shear-thinning fluids. Fig. 10 shows the relative permeability ratios. Initially, for small pressure gradients, the water relative permeability decreases in a similar manner as before (Fig. 6) , although the magnitude of this reduction is significantly larger. However, whereas before the water relative permeability would increase again for all saturation values, for pressure gradients greater than 1.8x10 4 Pa/m, part of the water relative permeability curve is still decreasing. For water saturations less than 0.6, the water permeability values continue to decrease until very large pressure gradients are achieved. This is because at low saturation many of the elements containing water in the corner have high viscosities close to the low shear rate plateau with most of the flow taken by just a few low-viscosity elements.
The relative permeability ratio only increases for very high pressure gradients when water in the corners flows sufficiently fast to enter the shear-thinning regime. However, over the same range of pressure gradients but for S w greater than 0.6, the water relative permeability values increase again towards their Newtonian limit at moderate pressure gradients. This is because most elements are now completely water-filled and all have similar flow rates. The results presented here show that the displacement efficiency of oil by polymer flooding would be affected by the shear-thinning nature of the aqueous phase. However, this effect does not just comprise of an overall decrease in apparent viscosity. Most current reservoir simulators assume no changes in relative permeability and incorporate the shearthinning effect through a change of mobility of the water phase. In order to simulate accurately multi-phase flow
-1 , (m.s -1 ) displacements, the reservoir model must be able to capture both the change in single-phase viscosity and the likely reduction in relative permeability. However, when relative permeability is defined based on a single-phase viscosity taken for the same water pressure gradient (and not the same flow rate) the modification is small, except at low water saturation. 
-2 , (Pa) We used pore-scale network modeling to study the flow properties of shear-thinning solutions in porous media. We used a three-dimensional geologically realistic representation of Berea sandstone. The fluid model was based on the behavior of Xanthan-like solutions (pseudo-plastic), where elastic and adsorption effects are neglected. An empirical expression based on the Carreau model was used to find the effective viscosity in each pore and throat as a function of flow rate. After solving the set of non-linear equations, the total flow rate through the network and hence the apparent viscosity was calculated for a range of pressure gradients. , (N/m) We successfully predicted single-phase non-Newtonian experiments. Then this approach was extended to study multiphase flow properties in a water-wet medium, where the aqueous phase was assumed to behave like a Carreau-type fluid while the oil phase remained Newtonian.
Superscripts; net: network, exp: experimental
Relative permeability was defined as the ratio of multiphase to single-phase water flow rates with the same pressure gradient. As the pressure gradient applied across the network increased, the relative permeability of the non-Newtonian phase decreased gradually before increasing again towards its limiting Newtonian value. This was explained by looking at the difference between effective viscosity distributions in the network with and without the presence of oil. For very shearthinning solutions, the reduction in relative permeability was more pronounced, particularly for low water saturations. The behavior in primary drainage and secondary imbibition was similar. 
